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Abstract
The degradation rate plays an essential role in predicting and assessing the long­term energy
generation of photovoltaic (PV) systems. Although there is a wide literature on the topic, the
precise rate at which PV plants degrade is not trivial to predict because it is influenced by nu­
merous factors. Also, there is not as much information regarding bifacial modules due to their
recent introduction into the market. In this thesis, the long­term monitoring data of two different
PV systems in northern latitudes are analyzed to gain insight into the degradation rate of their
performance over time. The main degradation modes and sources of uncertainty are first dis­
cussed. Then, measurements from on­site sensors and other modelled parameters are filtered,
and the Year on Year methodology is applied to both systems. System A is a 13.1 MWp PV
plant located in England with fixed­tilt monofacial modules, while System B is a 236.3 kWp PV
plant in Denmark with different string mounting orientations (fixed­tilt/ tracker) and bill of ma­
terials (monofacial/bifacial). It is found that the median degradation rate for System A is ­0.46
%/year and for System B is ­0.65 %/year, which is in line with historical and recent findings. A
comparison between the degradation rates of different strings in System B is also presented.
Additionally, visual inspection, flash tests, and electroluminescence (EL) imaging were per­
formed to validate the degradation rate calculated with field data and identify the degradation
modes that significantly impact the performance loss. All in all, this research provides valuable
information for understanding the long­term performance of different system configurations and
helps identify the main degradation causes.
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1 Introduction
1.1 Background and motivation
Solar energy’s enormous potential as one of the main renewable energy sources is clearly
seen in the rapid growth of the solar market in recent years. The use of solar energy has grown
significantly, with global installed capacity increasing from around 102 GW in 2012 to over 840
GW in 2021 [1]. This trend is favoured by a levelling of module prices coupled with a reduction
in production costs and efficiency improvement, making it increasingly competitive with fossil
fuels. Regarding the photovoltaic market, worldwide PV installations represent investments
that can be measured as a percentage of the gross domestic product of some countries. At
this magnitude, it is critical for all stakeholders to determine and predict long­term performance
accurately.

Consequently, there has been an increasing demand for data monitoring and performance cer­
tainty during the entire plant’s life. The degradation rate quantifies the gradual loss of perfor­
mance, typically expressed in %/year, of a PV module (or system) over time. Accurate perfor­
mance modelling of PV plants is a crucial factor that affects their economic viability and environ­
mental impact. Moreover, the determination of the degradation rate and the underlying factors
has vital financial and technical importance.

Financially, being able to predict the performance of PV plants over time gives a great advantage
when developing a business model and studying the feasibility of an investment in a given
project. A higher degradation rate means less yield, which leads to higher LCOE and ultimately
a loss of cash flow in future years. As a result, the economic return on investment of PV systems
depends greatly on its degradation rate, making it the third most important factor influencing the
LCOE, after the discount rate and the initial cost [2]. Besides, the inaccurate determination of
the degradation rate leads to inaccuracies in the business case which increase the financial
risk.

From the technical point of view, understanding the main drivers of the degradation and how
they affect the performance of PV modules is essential to improve their reliability and mainte­
nance procedures, as they may gradually lead to failure. Determining the underlying physical
processes is also crucial in the development of accelerated test protocols, in improving the
service life and optimizing the system’s performance. For instance, one of the challenges of ac­
celerated testing is identifying and accounting for hidden degradation modes which could only
become apparent under specific field conditions [3]. Therefore, reliable performance metrics,
statistical methods and common filtering techniques exploiting continuous outdoor measure­
ments are needed.

Overall, understanding the degradation rates of PV systems and accurately predicting the power
delivery over its lifetime is of vital importance to the growth of the photovoltaic industry and to
ensure the long­term success of solar energy.

1.2 The aim of the project
The aim of this thesis is to analyse long­term monitoring data and quantify the degradation rate
of PV modules operating in a Nordic climate. The degradation analysis will be performed in
Python, taking advantage of the packages and functions available for PV systems performance
simulation (PVlib Python and RdTools [4, 5]). To do so, long­term production, irradiance and
module temperature data from two PV plants will be filtered and analysed using the Year on
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Year methodology [6]. Using real data is crucial for understanding the long­term behaviour and
lifespan of PV systems, as it represents the actual operating conditions of the system.

Because degradation can differ between modules within the same model, it is more useful to
refer to a population of modules. This study focuses on individual components (inverters or
strings) which operate under the same weather conditions but have a different bill of materials
and mounting orientation. Through this, it is possible to determine how the type of module or
the system design influences the degradation.

An additional objective is to pinpoint the underlying degradation modes and investigate how
they are impacted by the Nordic climate. This can be accomplished through visual inspection
and flash testing selected modules in the laboratory, and analysing how each of the I­V curve’s
key parameters degrades over time. Furthermore, by determining the total insolation received
(as a proxy for UV exposure) and studying the average cell temperature of the systems over
time, it is possible to gain deeper insights into the degradation process.

Finally, the number of publications on long­term performance has been growing rapidly in recent
years, reflecting the importance of the subject. However, to the author’s knowledge, there are
little to no reports on PV module degradation for tracking and bifacial systems. This thesis is
one of the first contributions to address this issue and provide insights into the degradation in
bifacial modules.

All in all, this research will lead to a better understanding of how PVmodules in northern climates
degrade during their lifetime and will increase yield predictionmodels’ accuracy for the long­term
evaluation of PV plants.
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2 Degradation rates in PV plants.
Theoretical background

The degradation rate of a photovoltaic plant refers to the rate (%/year) at which the performance
of the plant declines steadily over time, being a negative value in case of degradation. This can
be caused by a variety of factors, such as the bill of materials (and the properties of these
materials), the quality of the PV modules and control system of the production line, the local
climate conditions, and the level of maintenance the plant receives [7].

When deployed outdoors, PV modules are affected by continuous cycles of irradiation, temper­
ature, humidity and mechanical stress, which are the factors behind their performance degra­
dation [8]. These factors can cause one or more types of degradation that are detailed in the
section below. This chapter also includes a literature review of the existing research on the
degradation rates of PV systems and an evaluation of their findings.

2.1 Degradation modes
Degradation modes can significantly affect the performance and lifespan of PV modules, so
it is important to understand and address these factors to ensure the long­term reliability and
efficiency of a PV plant. They can be divided into material degradation (e.g., corrosion, de­
lamination, cracks, etc.) and factors that depend on the operating conditions and act directly
on its electric performance such as soiling, shading, module and cell mismatch, etc. The latter
are performance­reducing events, which may be reversible or even preventable through good
O&M practices, but may not necessarily relate to the temporal performance loss of the system
[9]. In fact, according to the National Renewable Energy Laboratory (NREL), the most common
degradation modes in modules for the last 10 years were hot spots (33%) followed by internal
circuit discoloration (20%), glass breakage (12%), encapsulant discoloration (10%), cell break­
age (9%), and potential­induced degradation (PID, 8%) [10, 11]. It is important to note that
degradation modes may not occur independently of each other, making it difficult to isolate the
root cause.

2.1.1 Front Surface Soiling
Surface soiling refers to the accumulation of dirt on the module’s top surface. It is extremely
location dependent and can be detected by visual inspection of the module [12]. Despite being
a situation which can be reversed with proper maintenance or self­cleaning by wind and rain,
the accumulated dirt may partially shade a cell in the module causing it to produce less current
than the other string cells, which can lead to irreversible hot­spot damage and even module
failure [13].

2.1.2 Optical degradation
Optical degradation may result from discoloration of the encapsulating material, usually Ethy­
lene Vinyl Acetate (EVA). It is important to note that not all EVA products are the same. Different
manufacturers may add various additives, such as ultraviolet (UV) stabilizers, anti­oxidants, and
flame retardants, to enhance the performance and durability of the encapsulant. Besides, due
to UV exposure, elevated temperatures, or humidity, yellowing of the encapsulating material can
occur after extended exposure periods. It can also occur due to the diffusion of dirt from the
front surface soiling and moisture ingress from the edge seals. However, in [14] it is pointed out
that the chief cause of EVA deprivation is the UV radiation produced by water at temperatures
higher than 50ºC.
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As the discoloration progresses, the EVA changes color from light yellow to dark brown due to
the formation of acetic acid from the UV stabilizers [15]. The brown EVA absorbs a significant
fraction of sunlight, thereby reducing the photon availability required for the current generation.
This browning of the encapsulant can cause the short­circuit current (Isc) of the PV module
to deteriorate up to a 13% lower of the nominal values for complete discoloration [16], so the
maximum power of the PV module is correspondingly reduced.

2.1.3 Cell’s internal circuit degradation
Solar cell’s internal circuit degradation is mainly linked to three factors which result in a gradual
degradation in module performance. These factors are an increase in the cell’s series resis­
tance, Rs; a decrease in the cell’s shunt resistance, Rsh; and an anti­reflection coating (ARCs)
deterioration [12]. Figure 2.1 shows the one­diode equivalent circuit model of a solar cell, illus­
trating the series and shunt resistances. These modes can gradually degrade module perfor­
mance over extended operational periods and are discussed below.

Figure 2.1: Equivalent circuit model of a solar cell

Series Resistance
In the one­diode model of a solar cell, Rs represents the resistance of the photo­generated cur­
rent (IL) as it flows through the cell in series. It arises from metallization, bus bar contact to
the cell, resistances in cell solder bonds, and resistances in junction­box terminations [17]. The
series resistance reduces the voltage produced by the cell, which ultimately reduces the per­
formance of the PV cell, and hence the module. Although cell and module designers minimize
series resistance losses as much as possible with advanced manufacturing techniques, daily
thermal cycling of modules deployed outdoors inevitably results in a gradual increase in series
resistance.
Shunt Resistance
The shunt resistance represents any parallel high­conductivity paths (shunts) through the solar
cell or on the cell edges. These are due to Si manufacturing defects and impurities in and near
the junction, and provide an alternate current path (Ish) that leads the current away from the
intended load. The number of shunts may grow after prolonged exposure to light [18], which
increases the effective shunt current in the cell. This has a detrimental effect on the module
performance, especially at low­intensity levels [12].

Figure 2.2 and 2.3 show the undesired effect of increasing Rs and decreasing Rsh on the I­V
curve.
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Figure 2.2: Effect of increasing Series resis­
tance on the I­V curve [19]

Figure 2.3: Effect of decreasing Shunt resis­
tance on the I­V curve [19]

Anti­Reflective Coating
Anti­reflective coatings are thin films applied to the surface of PV modules to reduce the amount
of light that is reflected by the module. For example, Silicon nitride (SiNx) is an anti­reflective
coating known for its high transparency and low absorption in the visible and near­infrared spec­
tral ranges. A low reflectivity allows more light to pass through the surface of the module and
reach the solar cells, improving both short­circuit current and open­circuit voltage, which in turn
enhances the conversion efficiency of a PV cell [20].

AR coatings are usually transparent oxides whose degradation after time may be attributed to
the inter­diffusion of species from the cell’s emitter region to the AR coating and vice versa [12].
The effect of the degradation of the AR coating of a cell in a series connected string is that
the cell will now absorb fewer incoming photons and hence produce less current than the other
string cells. The result is a mismatched cell, which is discussed in the next section.

2.1.4 Mismatched cells
Mismatched cells are caused by the aforementioned degradation modes (front surface soiling,
encapsulant degradation, AR coating deterioration) and also manufacturing defects, cell crack­
ing and partial shading of the PV cell [12]. When a cell in a module is producing less current than
the other module cells, and they are all connected in series, the latter cells act to reverse bias
the former, mismatched cell. This causes the defective cell to operate in the negative voltage
region where it dissipates power and degrades module performance [21].
Cracked cells
Cracked cells can be caused by several factors, including thermal and mechanical stress, man­
ufacturing defects or impact damage during the mounting of the PV module. The damaged
cell can still operate but it will have the effect of a reduced current produced by the cell and
increase the risk of moisture penetration. The loss in power is related to the loss in current flow
and depends on the direction of the cracks as well as the integrity of the metallization [2]. In a
PV module that is already in operation, it is generally difficult to identify a crack with the naked
eye, so optical methods such as EL testing can be used [22].

Broken glass significantly degrades photovoltaic modules. Most of the time, this occurs during
the mounting of the PVmodule, but also thermal stress and hail damage can cause the cracking
of glass.
Delamination
Mismatched conditions in solar cells cause the lowest­performing cell in a sub­string to heat up.
When the mismatched cell is under high­humidity and high­temperature conditions, degradation
of the adhesion between the encapsulation polymer and the solar cell may occur [21]. This is
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known as delamination and leads to a decrease in the transmittance of light and current. As de­
lamination gets more severe, the probability of moisture intrusion increases, causing extensive
physical and chemical damage such as corrosion. Moreover, delamination disturbs efficient
heat removal from the cells and changes in temperature cause thermochemical stresses on the
solder joints between ribbons. This can lead among others to loose contacts, increased series
resistance and increased heating of surrounding cells decreasing both the fill factor (FF ) and
the open circuit voltage (Voc) [8].

Another consequence of high temperatures is the increase in the possibility of reverse cell op­
eration, which can lead to the formation of hot spots in the cell.
Hot spots
Hot spots are areas on the surface of the cell where the temperature is significantly higher than
the surrounding areas. They are formed in high heat­dissipation positions due to a reverse volt­
age caused by fractional shadows, cell mismatches, or interrupted connections between cells
[11]. Nowadays, modules integrate bypass diodes in their interconnection circuits to prevent a
mismatched cell to cause irreversible hot spot damage. In the event of bypass diode failure,
the high reverse bias can exceed the cell’s breakdown voltage and the cell may be irreversibly
damaged by thermal breakdown.

Indeed, hot spots can cause the module to fail prematurely if the high temperatures cause the
cells or other components to degrade. From the electrical point of view, hot spot formation not
only lowers the efficiency of the module, but also influences the open circuit voltage, the short
circuit current, the maximum power (Pmp), and the fill factor.

Overall, mismatched cells can usually be detected by visual inspection, I­V measurements,
hot­spot endurance testing and/or individual cell temperature monitoring when the module is
forward biased [12].

2.1.5 Light­induced degradation
Light­induced degradation (LID) is a phenomenon in which the efficiency of the module de­
creases in the first months of deployment due to exposure to light. The boron­oxygen complex
is one of the primary causes of LID and refers to a defect in the PV cell that is caused by the
presence of boron and oxygen impurities in the semiconductor material. When exposed to light,
this complex can trap electrons and holes, leading to the recombination of the charge carriers.
This, which affects especially amorphous/crystalline silicon cells, can lead to a permanent re­
duction in the power output of the module driven by a strong degradation of Isc and Voc and to an
increase in the resistance of the cells, leading to higher temperatures and further degradation
[23].

2.1.6 Temperature­Induced Degradation
PV modules are rated by their power as measured at standard test conditions (STC: 1000
W/m2 irradiance, 25ºC cell temperature and Air Mass 1.5 global spectrum). However, when a
module is operating outdoors, a large fraction of the incident energy is transformed into heat.
It is therefore obvious that a module, operating outdoors, will most likely have a temperature
above 25ºC.

At these elevated temperatures, band gap energy decreases so consequently Isc and the sat­
uration current increase exponentially with the increase in temperature. This acts to reduce the
cell’s Voc more rapidly than the increase in Isc resulting in an overall reduction in the cell’s fill
factor, and hence, efficiency when the temperature increases. High temperatures followed by
low temperatures can also cause the cells and busbars to expand and contract, which can lead
to mechanical stress and permanent degradation of the cell’s electrical properties.
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It is therefore imperative that elevated temperatures influence the performance of all modules.
For this reason, a temperature coefficient is given in the manufacturer’s specifications for each
model and used to explain the behaviour of the modules when operating outdoors. It is usually
a power loss of around ­0.3% to ­0.5% per degree Celsius above 25ºC and a gain when the
temperature is below 25ºC. Figure 2.4 shows the effect that cell temperature has on the I­V
curve [19].

Figure 2.4: Effect of cell temperature on the I­V curve [19]

2.1.7 Light and elevate temperature induced degradation
Another degradation effect caused by the exposure of the cell to light, is the Light and elevate
Temperature Degradation (LeTID). This degradation causes loss in module performance when
the cells are exposed to both light and elevated temperature (>50 ºC) for a long period.

Similarly to LID, LeTID is a prevalent failure mode in PERC cells (i.e., the cells studied) [24].
However, studies have shown that LeTID happens at a much slower degradation rate than what
has been experienced with LID [25] and it can take years of exposure to sunlight and elevate
temperature until the cell start showing sings of LeTID. Regarding the bifacial panels, more
research on the effects of LeTID is needed. Based on [26] it can be expected that the LeTID
effects on bifacial modules will be less significant.

2.1.8 Potential­Induced Degradation
The typical system voltage is around 1000V DC. In the most negative section of a string, there
is a high potential difference between the PV module and its structure (acting as ground). When
the protection between the structure and the high­voltage layer deteriorates, a leakage current
from the cells to the ground can be created, allowing the electrons in the PV module material
escape through the soil [27]. This can cause cause localised stacking faults (i.e. short circuits).
Also, PID causes a reduction in the shunt resistance and, once the effect takes place, the
leakage current is most likely to keep increasing leading to further degradation [28]. According
to [29, 30], the leakage current increases with moisture, so PID is more likely to occur in moist
weather than in warm and dry climates.
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2.1.9 Corrosion
The deterioration of any PV­module component can facilitate corrosion, permitting the penetra­
tion of water and oxygen into the solar cell. Then, corrosion can be related to other degradation
modes and initiated and accelerated by several factors simultaneously, having a reciprocal
cause­and­effect relationship [31]. According to [32], the back sheet and encapsulant are the
most influential factors related to corrosion.

To sum up, solar modules do not usually fail in a catastrophic way but experience steady power
degradation over time. In this sense, all the described degradation modes affect to a greater or
lesser extent a gradual power loss in the PV system. Figure 2.5 shows typical power loss from
the different mechanisms over time [33]. The overall degradation rate can vary widely, so the
next section will evaluate the most recent PV module degradation studies and their results.

Figure 2.5: Power loss due to typical failure scenarios over time [33]

2.2 Degradation studies. Literature review
The degradation at the module level has been extensively studied since the construction of the
first PV plants. Over the years, numerous studies ([34, 35, 36] among others) have focused on
understanding the causes of degradation and finding ways to mitigate it. The main conclusion
of these studies is that PV degradation is typically caused by a combination of factors, which
depend on the type of cell or modules’ technology and the specific conditions to which the cells
or modules are exposed (location, climate, maintenance, measurement uncertainty, etc.). In
fact, accurate modelling of the degradation rate requires an exhaustive understanding of PV
module properties and a physical modeling framework, which is not the focus of this work.

To assess the status and the health of the industry in general, a representative sample is es­
sential. In 2012, Jordan and Kurtz summarized 2128 degradation rates reported in published
literature from field testing [37]. It was found that modules appear to lose a median of ­0.5% per
year (average of ­0.8% per year). Figure 2.6 shows the distribution of these degradation rates,
where 78% lie below ­1% per year. A similar skewed graph is to be expected when looking at
a specific system, as most modules will degrade slowly while there will be few other modules
that decay faster [38]. Then, in 2016, more than 11,000 degradation rates in almost 200 studies
from 40 different countries were aggregated and re­examined by the same authors [39]. It was
found a median degradation for x­Si technologies in the 0.5–0.6%/year range with the mean in
the 0.8–0.9%/year range.
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Figure 2.6: Histogram of reported degradation
rates [37]. Note: Positive values mean degra­
dation.

Figure 2.7: Pmp, Isc, FF and Voc degradation
rates for mono­Si cells [37]. Note: Positive val­
ues mean degradation.

Additionally, in [39] more than 1100 reported rates included some or all I­V parameters. Fig­
ure 2.7 shows the annualized degradation rate for Pmp, Isc, FF and Voc in mono­Si cells. It is
seen that the largest contributor to maximum power decline is short circuit current degradation,
which can be attributed to delamination, discoloration and cracked individual cells as discussed
in section 2.1. Significantly less degradation comes from FF, typically associated with corro­
sion and solder­bond breakage. Finally, relatively small changes are appreciated in open­circuit
voltage, so these modules were not likely affected by PID.

Since this compendium, new degradation rates from field testing have been reported globally.
Table 2.1 presents a synopsis of the latest reported degradation rates, including those in bifacial
modules.

Table 2.1: Summary of recent studies on PV module field degradation

# Location Cell/Module
Technology

Mounting
configuration

Period
(years)

Median Deg. rate
(%/year) Reference

1 Florida Poly­Si monofacial Fixed tilt 4­5.5 ­1 ± 1 [40]

2 All over US
Mono­Si, Poly­Si
CdTe, PERC
monofacial

Fixed tilt,
Tracking 2 minimum ­0.75 [41]

3 Unknown. Hot and
moderate climate Poly­Si monofacial Fixed tilt 5 ­1.4 (hot)

­0.94 (moderate) [42]

4 Nicosia
Mono­Si, Poly­Si
CdTe, CIGS
monofacial

Fixed tilt 8 ­0.83 [43]

5 All over Europe Not specified monofacial Fixed tilt 2­4 ­0.67 [36]

6 Dubai Not specified bifacial Fixed tilt 4+ ­1.57 (front)
­0.64 (back) [44]

7 Unknown
Mono­Si Al­BSF, PERC

monofacial
Mono­ Si PERC bifacial

Fixed tilt 2.5
­0.55 (Al­BSF)

­0.62 (PERC mono.)
­0.95 (PERC bif.)

[45]

A summary of the seven studies in table 2.1 is provided below:

1. The Florida Solar Energy Center evaluated the performance of two nominally­identical
grid­connected PV systems (3960 Wp) in Florida. They were operational since 2003 and
evident power reduction differences were measured in the monitoring period 2003­2008.
Both systems were analysed using PR as a metric, with monthly values and 15­minute
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increments. The study was conducted on the DC and AC sides. The degradation rates
were all in the range ­1± 1% /year. Then, the I­V curves were measured showing a higher
degradation (between ­1.8 and ­2.2 %/year) but the source of this higher degradation was
not identified.

2. In the PV Fleet Performance Data Initiative, data from more than 1700 sites in the US
were collected to examine the degradation at a fleet scale. An overall median of system
degradation of ­0.75 %/year was found. This study got other relevant conclusions: In­
verter degradation did not contribute to system degradation, tracked systems showed no
statistical difference versus fixed tilt systems and higher degradation was found in hotter
temperature zones.

3. In 2021, Scott W. Adler used the Year on Year methodology to perform a comparison
between 2 utility­scale plants with the same technology but located in different climates.
The median of the nominal system degradation rate measured on the DC side of the
inverters in the hotter and more humid climate was found to be −1.4 %/year whereas,
in the temperate climate, the median rate was −0.94%/year. These results suggest that
climate zones must be included when evaluating the long­term performance of PV plants.
It also remarks that the YOY method as implemented in RdTools is a robust approach for
calculating degradation rates where multiple years of reliable data are available.

4. This work carried out by Marios Theristis in 2020 presents a new methodology to de­
tect and calculate non­linear degradation rates based on PV performance time series
from nine different systems over an eight­year period. The median degradation rate of
these systems using the YoY methodology was found to be ­0.83 %/year. Thin­film tech­
nologies demonstrated non­linear behaviour, so it highlights the importance of applying
”non­conventional” models to estimate the long­term degradation due to its impact on the
LCOE.

5. The COST Action PEARL PV analysed data of 8400 small residential systems across
Europe. The degradation is calculated using 3 different statistical approaches (statistical
clear­sky fitting, Year on Year and seasonal and trend decomposition). With the YoY
methodology, the median degradation rate was found to be ­0.67 %/year. This study also
concludes that a minimum of 3 years of data is required to get sensible results and that
the longer the time series, the more trustworthy the results tend to be.

6. This study investigates the degradation of bifacial PV modules installed under desert cli­
matic conditions for more than four years. The degradation rate and mechanisms are
analysed through indoor characterization, including IV measurement under STC condi­
tions, electroluminescence imaging and visual inspection. It is concluded that the front
side of the bifacial modules shows a higher degradation rate (1.3­1.88%/year) compared
to the back side (0.39­0.78%/year). The degradation was mainly driven by the reduc­
tion in Isc and Fill Factor, being EVA discoloration the main contributor due to the high
temperatures of the desert climate.

7. This work is focused on the effect that temperature and mounting structure have on the
degradation of different types of cells. Among other studies, a mono­Si Al­BSF control
module, a mono­Si PERC module, and a mono­Si PERC bifacial module from the same
manufacturer were monitored for 2.5 years. It was shown that the bifacial PERC mod­
ule showed slightly higher, yet not statistically significant degradation associated with Isc,
FF and Voc loss. Also, it is concluded that degradation rates are technology and quality
dependent, yet the details of the mounting also play a significant role.

In light of the above, it is seen that degradation rates have been investigated by many authors in
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recent years. However, in spite of much research, the precise rate at which PV plants degrade
is not trivial to predict and studies only provide a temporary glimpse into the state of systems
that may be subject to change. The final observation drawn from this literature review is that not
only technical factors such as the cell technology, climate, and mounting configuration influence
PV system degradation rates, but also the method and details of the analysis itself introduce
significant variation in the result.

2.3 Uncertainties
Every analysis described in the previous section has some degree of uncertainty linked to it
which can be usually understood and quantified. The main goal of this section is to explore the
uncertainties related to the whole degradation rate calculation process and their main drivers.
The uncertainty of the measuring sensors and calculation methodology are described below,
followed by additional uncertainties that can exist.

2.3.1 Sensor uncertainties
The limited accuracy of measurement equipment represents one of the systematic uncertain­
ties linked to solar energy. Besides, physical sensors tend to lose accuracy over time in the
field and are prone to sensor drifting, which can occur gradually and make degradation appear
significantly higher or lower than it actually is. Moreover, depending on the location and sur­
roundings of a PV power plant, all the objects are exposed to dirt accumulation or soiling. This
can limit the transmittance of light into the module and irradiance sensor (e.g. pyranometer)
thus the power output and reported irradiance values.

According to [46, 47], sensor and module soiling behaviour are similar when reference cells
are used as sensors. However, soiling rates are likely lower on pyranometers compared to flat
plate reference cells due to their dome shape [47]. In the systems under consideration, the
pyranometers have been regularly calibrated and cleaned, so incorrect results due to sensor
soiling losses areminimized and therefore soiling effects are not seen as decisive for the result of
the degradation analysis. Additionally, the uncertainty of the three main parameters measured
in the field are the following:
Electrical parameters
The uncertainties of measured current and voltage are dependent on their actual magnitude
since the accuracy of data acquisition units depends on the input signal [46]. In fact, the mea­
surement uncertainties for the energy parameters are relatively low and lay below 1% for DC
according to [46, 48]. Another uncertainty is the nameplate power of the installed modules,
which can differ up to 5 W (approx. 1.7%) from the actual DC capacity. However, this is not
considered a problem for determining long­term degradation because all performance ratios will
be shifted up or down without changing the rate of change. Finally, the uncertainty in cabling
and inverter losses is considered less than 1% [38].
Temperature
The temperature is used to normalize the measured power as if the module was operating
at 25ºC (STC) using a temperature coefficient which can be found in the module’s datasheet.
Studies report and uncertainty for module temperature between ±1% and ±1.7% [35, 46, 48].
Incorrect measurements occur when the sensors became partially or completely detached from
the modules, as was appreciated in one of System B’s sensors. In fact, a detached sensor will
measure lower temperatures due to poor thermal contact, which makes the expected power
increase, thus appearing as degradation.
Irradiance
Themost critical uncertainties are those related to the irradiancemeasurement due to the weight
it has in the performance calculations. The measurement uncertainty of a pyranometer in use
depends on many parameters, some relating to the instrument performance and some specific
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to the measurement location. According to [49], pyranometers are divided into three classes
(A, B or C) depending on their properties (calibration uncertainty, response time, resolution,
thermal response, offset, etc.). Indeed, the pyranometers used in both systems studied are
class A (best in quality), with a daily total uncertainty of 2% [50]. The uncertainty of irradiance
data increases significantly if reference cells or satellite data is used for the analysis, which will
be discussed in section 4.1.2. However, for an accurate result of a degradation analysis, it is
especially important that the irradiance sensor is stable, as the resulting rate of change would
not be affected by a constant offset because of a wrong calibration [46].

2.3.2 Methodology uncertainties
Besides periodic I­V curves in the lab, the most accurate way to obtain the degradation rate
of a PV system/component is to use on­site monitoring data after passing the aforementioned
quality checks. Also, it is imperative that the calculation is more accurate, the more the ap­
plied performance metrics, statistical methods and filtering techniques succeed in minimizing
seasonal oscillation and eliminating outliers. There is, however, a lack of agreed rules on data
filtering, outlier removal and data averaging strategies. These different methods lead to different
results.

In spite of the traditional approach of performing a linear regression against time, the Year
on Year methodology is less susceptible to outliers or marked seasonality. This makes it the
preferred methodology in terms of accuracy although several studies recommend a minimum
period of three years of continuous outdoor data to perform a reliable degradation rate evaluation
[7]. The results shown in the YoY calculation include a Monte Carlo­derived confidence interval
which is set to 68.2% as default.

2.3.3 Other uncertainties
Next to these hardware­related variables, there are additional uncertainties in the overall calcu­
lation of degradation rates. These refer to the models applied when some of the variables are
not monitored on­site (conversion from global horizontal to POA irradiance, cell temperature,
IAM losses, etc.) and need to be modelled. All the models applied during the analysis, although
widely accepted in the analysts’ community, are just statistical, analytical or semi­empirical pro­
cedures that could differ to a greater or lesser extent from the real situation on the PV plant.

Regarding the flash test method (section 5.6), although the flasher has a 3% expanded uncer­
tainty for Pmp measurements of c­Si panels, all the modules are flashed with the same flasher
and, when the test is repeated multiple times, the results are consistently within a narrow range,
indicating that the test is repeatable. However, the degradation rate obtained from the results
of the flash test is subject to high uncertainty regarding two main aspects:

• Reference: Ideally, modules should have been flashed prior to their installation but this
was not the case. When it is possible, a reference module (i.e., a PV module of the same
model as the tested ones) is used to compare with the fielded one. When a reference
module is not available, the comparison is made directly with the datasheet.

• Power tolerance: Modules from the same batch have a positive power tolerance of +5W,
which is around 1.7% of the nominal power. When comparing with a reference module or
the datasheet, this can bias the results.

Overall, the fundamental difficulty is that the true degradation rate is unknown, making the ac­
curacy assessment difficult. Even with indoor IV measurements the true degradation rate value
and thus the uncertainty of the whole process can only be estimated.
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3 Description of PV systems analysed
3.1 System A
System A is a 13.104 MWp solar power plant located in the North­East of Aylesbury, England.
Figures 3.1 and 3.2 show an aerial view and the location of the PV plant.

Figure 3.1: System A aerial view Figure 3.2: System A location

Covering an area of approximately 0.25 km2, the PV plant has been operational since March
2015. Figure 3.3 shows the eleven sub­fields (A to K) in which the plant is divided, each of which
corresponds to a central inverter. The strings of each area are grouped into string combiner
boxes, which are the inverter’s inputs. The inverters are then connected to a transformer which
connects the plant to a 33 kV overhead transmission line that runs close to the site.

Figure 3.3: System A layout. Each zone corresponds to a central inverter
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3.1.1 PV modules
The 48,936 PV modules used in System A are the REC260PE, from the manufacturer REC
Solar. They have a nominal power rating of 260 Wp and are made of polycrystalline silicon.
All the modules are rack­mounted facing south with a fixed angle of 20º. Table 3.1 below sum­
marises the PV module’s key technical specifications. The annual linear degradation rate that
is covered under warranty according to the data sheet and the parameters that will be used for
the module temperature calculation in section 4.1.3 are also detailed in table 3.1. The Sandia
thermal model’s parameters a, b and∆T depend on the module construction materials (Glass/­
cell/polymer sheet) and the mounting configuration (open rack) [51].

Table 3.1: System A modules technical specifications

Specification Data Unit

Construction Glass­Polymer ­
Cell type Polycrystalline silicon ­

Number of cells 60 ­
Pmp at STC 260 W
Isc at STC 9.01 A
Imp at STC 8.5 A
Voc at STC 37.8 V
Vmp at STC 30.7 V

Pmp temperature coefficient ­0.4 %/ºC
Linear degradation rate (warranty) ­0.7 %/year
Parameter ”a” in Sandia model ­3.56 ­
Parameter ”b” in Sandia model ­0.075 ­
Parameter ”∆T ” in Sandia model 3 ºC

3.1.2 Inverters
Additionally, the 11 inverters are the Sunny Central 900CP XT, manufactured by SMA Solar
Technologies. The main technical specifications of this outdoor inverter are presented in ta­
ble 3.2

Table 3.2: System A inverter technical specifications

Specification Data Unit

Max. DC input power 1010 kW
Max. input voltage 1000 V
Max. input current 1400 A

Number of MPPT inputs 1 ­
Rated output power 900 kW
Rated output voltage 405 V AC
Max. output current 1411 A
Max. efficiency 98.6 %

European efficiency 98.4 %

It is important to note that, according to the number of strings combined, each inverter has
different DC capacities. These are detailed in table 3.3.
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Table 3.3: Inverter DC capacities System A

Inverter ID Combiner boxes Strings DC cap (kW)

1.1 14 181 1,129.44
1.2 14 185 1,154.40
2.1 16 200 1,248.00
3.1 16 190 1,185.60
3.2 16 194 1,210.56
4.1 14 186 1,160.64
4.2 14 182 1,135.68
5.1 14 184 1,148.16
5.2 14 185 1,154.40
6.1 18 207 1,291.68
6.2 16 206 1,285.44

PLANT 1434 2100 13,104.00

3.1.3 Sensors
For the data monitoring, System A is equipped with 4 pyranometers SMP11 from Kipp & Zonen
(Class A according to ISO 9060:2018 [49]). From these, 3 are tilted measuring plane of array
irradiance and the other one is horizontal, measuring the global horizontal irradiance (GHI).
The pyranometers have been calibrated every 2 years, so it is expected a high precision in their
measurements during the whole period analysed. Moreover, back­of­module temperature is
monitored with 2 PT1000 temperature sensors. Also, a weather station in the plant is equipped
with an ambient temperature sensor and a wind speed and direction sensor. Finally, different
electrical meters measure DC current and voltage as well as AC energy output. The monitoring
system is provided by Sunergy and an overview is presented in fig. 3.4.

Figure 3.4: System A monitoring system overview
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3.1.4 Data availability
Since the plant is operational, DC and AC power (kW) have been recorded for every string in a
15­minute resolution. However, because of the high number of strings, only data at an inverter
level is considered for the analysis of this system.

Despite the long monitoring period System A has, the main limitation is that, due to a change in
the monitoring system, from 2015 to 2018 the irradiation measurements are only available on a
daily basis. This information is obtained from the O&M’s monthly reports of the plant, so there
is no access to the intraday weather data in this period. From May 2018 onward, irradiance
(W/m2) measured from the pyranometers is available with 15­minute resolution, which allows
an intraday and more precise data filtering. In the same way, module temperature (ºC) from
the sensors is only available from 2018 in 15­minutes resolution, as it was not included in the
O&M’s monthly reports. Chapter 4 makes a deeper insight into these data limitations and the
approach to cover them to obtain reliable results.

3.2 System B
System B is a 236.3 kWp PV park built in the summer of 2018. It is located in the north of
Roskilde, Denmark, and is operated by DTU. Figures 3.5 and 3.6 show an aerial view and the
location of the PV plant. Rather than a purely grid­connected PV plant, its main purpose is,
among other experiments, to study bifacial energy gains under various installation conditions in
the Danish climate.

Figure 3.5: System B aerial view Figure 3.6: System B location

Figure 3.7 illustrates the plant layout of System B. As it is shown, there are 8 horizontal single­
axis trackers facing east­west and 8 south­facing trackers with a fixed­tilt angle which is ad­
justable, but set to 25º during the analysis period. The PV tracker facility features monofacial
and bifacial strings of similar front­side power mounted side­by­side. To the east of the plant,
there is an extra string on a single­axis tracker as well as a dual­axis tracker system. In to­
tal, there are 10 operational inverters connected to the grid. Figure 3.7 also shows where the
different monitoring sensors are located. These will be further detailed in section 3.2.4.
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Figure 3.7: Plant layout System B (Figure by Martin Bartholomaus)

3.2.1 Trackers
Regarding the tracking system, all contain four strings (in two rows) of 22 panels in portrait
mode. The only exceptions are the eastern tracker (Inverter 12), which consists of two strings
of 13 modules each, and the 2­axis tracker, consisting of 12 modules.

On the one­axis trackers, the rotation is varied from −60º in the morning (facing east) to +60º
in the evening (facing west) by an algorithm that uses astronomical equations to track the sun
in azimuth. The angular position is monitored by inclinometer sensors mounted on the back of
the trackers. The row spacing varies between 12 and 15 m.

On the other hand, the fixed­tilt system has an adjustable tilt from 0 to 60 degrees but is usually
set to 25º oriented towards south.

Table 3.4: System B tracker specifications

Specification Single axis tracker Fixed tilt Units

Manufacturer Soltec Soltec ­
Tracking angle ±60 25 º

Azimuth 90 or 270 180 º
Back tracking Yes NA ­
Tracker pitch 12 7.6 m
Hub height 1.95 2.3 m
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3.2.2 PV modules
The main two types of panels installed are monofacial Trina 305 Wp and bifacial Trina 295 Wp
panels, which are both made with passivated emitter and rear contact (PERC) cell. Over time,
some strings have been replaced with other panels, but these will not be considered in the
long­term degradation analysis because they all had been operating for less than three years
at the start of this thesis project. Table 3.5 summarises the technical specifications of these
two module types in System B. The parameters a, b and ∆T used in the Sandia thermal model
explained in section 4.1.3 are also included. These parameters are chosen according to [51] and
differ from each other because they depend on the module construction type (glass/cell/polymer
for monofacial or glass/cell/glass for bifacial) and mount combination (open­rack in both cases).

Table 3.5: System B module specifications

Specification Monofacial Bifacial Units

Model name TSM­305DD05A.08 TSM­295DEG5C ­
Construction Glass­Polymer Glass­Glass ­
Cell type mono PERC mono PERC ­

Number of cells 60 60 ­
Pmp at STC 305 295 W
Isc at STC 9.85 9.58 A
Imp at STC 9.28 8.97 A
Voc at STC 40 39.9 V
Vmp at STC 32.9 32.9 V

Temp. coefficient of power ­0.39 ­0.39 %/ºC
Linear degradation rate (warranty) ­0.71 ­0.5 %/year
Parameter ”a” in Sandia model ­3.56 ­3.47 ­
Parameter ”b” in Sandia model ­0.075 ­0.0594 ­
Parameter ”∆T ” in Sandia model 3 1 ºC

3.2.3 Inverters
System B is equipped with Delta RPI M50A­12s inverters, each of which MPPT tracks all 4
parallel strings mounted every two trackers. In fact, a DC box is installed between each inverter
and the panels, which includes Gantner string bloxx 208 for monitoring string current and array
voltage. This is where the electrical data for this analysis is obtained from. Also, behind the
inverter, a Gantner AC measurement box is installed.

Table 3.6: System B inverter technical specifications
Specification Data Units

Max. DC input power 58 kW
Max. input voltage 1100 V
Max. input current 100 A

Number of MPPT inputs 2 ­
Rated output power 50 kW
Rated output voltage 400 V AC
Max. output current 100 A
Max. efficiency 98.6 %

European efficiency 98.4 %
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The following table gives an overview of all the inverters in System B and the string connected
to each of them, their capacity and configuration.

Table 3.7: System B inverter configuration

Inverter Tracker Strings
connected

String
DC­cap (W)

Module
type

Tracker
configuration

1 1,2 1.1­1.8 6490 Bifacial 1­axis tracker
2 3,4 2.1­2.8 6490 Bifacial 1­axis tracker
3 5,6 3.1­3.8 6490 Bifacial 1­axis tracker
4 7,8 4.1­4.8 6710 Monofacial 1­axis tracker
5 9,10 5.1­5.8 6490 Bifacial Fixed­tilt
6 11,12 6.1­6.8 6490 Bifacial Fixed­tilt
7 13,14 7.1­7.8 6710 Monofacial Fixed­tilt
8 15,16 8.1­8.8 6710 Monofacial Fixed­tilt
11 ­ 11.1 3660 Monofacial 2­axis tracker
12 ­ 12.1 5665 Bifacial 1­axis tracker

3.2.4 Sensors
In System B, an independent weather station provides data of the three solar components (GHI,
DHI and DNI) with a frequency of ten seconds, which is then averaged to a one­minute resolution
to reduce the variability. The measurement of solar irradiance components is crucial, so these
sensors are systematically cleaned and periodically calibrated. Figures 3.8 and 3.9 were taken
from the weather station 400 m south of System B.

Figure 3.8: DHI pyranometer and DNI
pyrheliometer in System B’s weather sta­
tion

Figure 3.9: Horizontal solar radiation sen­
sors in System B’s weather station

On site, the irradiance is measured with two high­precision pyranometers which are tilted in
the plane of the array. As is shown in fig. 3.7, they are located in Tracker 8 for the tracking
strings (fig. 3.10a) and in Tracker 9 for the fixed tilt modules. Regarding the module temperature
measurements, there are three sensors located on the back side of different modules. The first
one installed was the sensor in Tracker 8 (fig. 3.10b), which measures the temperature of a
monofacial tracking module. At the beginning of 2021, sensors were installed in the fixed­tilt
systems (Tracker 12 and 13), which are shown in figs. 3.10c and 3.10d. It is worth mentioning
that during the site visit, the sensor in Tracker 13 which measures temperature for bifacial fixed
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tilt systems appeared to be loose from the back side of the module. The measurements of this
detached temperature sensor are detailed in section 4.2.4.

(a) POA pyranometer on Tracker 8 (b) Temperature sensor on Tracker 8

(c) Temperature sensor on Tracker 12 (d) Temperature sensor on Tracker 13

Figure 3.10: Sensors on­site System B

Moreover, the DC­side electrical parameters of each array are measured every 1 min by the
combiner boxes, which assure a good level of accuracy in current and voltage. In this case,
the voltage (Vmp) is recorded for each of the MPPTs (one voltage for 4 strings) while the current
(Imp) is available for every string, which provides a different power measurement in every string
and therefore allows to perform an individual string analysis. The AC side is measured by the
inverters and AC boxes, but will not be considered in this analysis. On the site, there are also
ambient temperature, wind speed, soiling and albedo sensors, whose information will be used
for modelling the missing parameters in chapter 4.

3.2.5 Data availability
Thanks to the sensors and monitoring devices in System B, weather data has been recorded
since August 2018. However, string­level electrical data is available from February 2019, so this
is when the analysis period starts. Due to its experimental purpose, System B has experienced
lots of changes in hardware and software configurations which have induced numerous data
shifts that need to be considered in the analysis. In the forthcoming chapter 4 all the data
limitations and their modelling are detailed.
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4 Data limitations and modelling
Data quantity and quality are both determinant factors when obtaining the long­term degradation
rate of a component in a PV plant. In this sense, different measures have been taken in both
systems to guarantee data reliability as much as possible. This chapter covers the encountered
data limitations and the different approaches to solving them.

4.1 System A
Figure 4.1 shows an overview of the workflow process that has been followed. After the data col­
lection and initial checks, the availability of intraday data for the three main parameters is eval­
uated. To make the maximum of the data available, two main approaches will be followed: 1) a
Daily analysis with data since the plant is operational and 2) a Detailed analysis with 15­minute
resolution data from March 2018 until September 2022. These approaches will be explained in
chapter 5.

Figure 4.1: Workflow chart data modelling System A
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Presently, System A has been operational for 8 years. As PV systems age, they are more
likely to accumulate outages or degradation in irradiance or temperature sensors [6]. In order
to ensure data integrity and stability, a graphical inspection of every parameter took place as
a first approach to detect data gaps, shifts or outliers [52]. Then, POA irradiance and module
temperature in the period 2015­2018 are modelled.

4.1.1 Data gaps and shifts
Data shifts and missing data were easily identified by a time series graph of meteorological and
production data. The failure conditions were then cross­checked with the O&M reports and the
cause was identified in most of the cases. This is detailed in table 4.1. As a consequence, these
days have not been taken into consideration in the analysis, as only data points at comparable
and failure­free conditions must be selected.

Table 4.1: Failure events System A

Failure start Failure end Components Failure Cause

22­09­15 22­09­15 Plant Outage from 10am DNO Protection relay tripped out
30­10­15 9­11­15 Inverter 3.1 Low production Low insulation resistance
6­1­16 7­1­16 Plant Outage Fast change of the grid frequency
11­1­16 12­1­16 Inverter 5.2 Low production Mice nests inside DC cables pipes
18­7­16 22­7­16 Plant Intermittent outages Strings measurements
15­6­17 20­6­17 Plant Outage FAC Test measurements
11­11­17 4­1­18 Inverter 4.1 Reduced power One combiner box burned out
10­12­17 10­12­17 Plant Outage Plant outage due to snowfall
15­4­18 27­9­18 Inverter 1.1, 1.2 Low production Cable fires and rodent damage
2­6­18 3­9­18 Inverter 6.1 Low production Cable fires and rodent damage
19­2­19 27­2­19 Plant Intermittent outages Preventive LV & HV Maintenance
12­3­19 13­3­19 Inverter 2.1 Outage DC isolation fault
29­11­19 1­12­19 Plant Outage Scheduled DNO outage
22­12­19 30­12­19 Inverter 6.1 Low production Cables damaged by rodents
9­2­20 13­2­20 Inverter 4.2 Low production Underground cable fault
1­8­20 2­8­20 Plant Outage Main CB has tripped
28­12­20 6­1­21 Inverter 1.2 Lower production Strings check for isolation faults
28­5­21 2­6­21 Plant No data Communication issue
21­9­21 27­10­21 Inverter 4.2 No data No communication
11­10­21 15­10­21 Plant No data DNO outage
15­10­21 24­10­21 Inverter 6.1 Intermittent outages Ducts replacement
26­12­21 26­12­21 Inverter 3.1 Outage Unknown
6­2­22 21­2­22 Inverter 5.1 Low production Low insulation resistance value
19­7­22 22­7­22 Plant Outage DNO outage

4.1.2 Intradaily POA irradiance
Besides these temporal failures, as described in chapter 3, the main limitation for System A is
that irradiance measurements are only available in a daily resolution for the period 2015­2018.
This is a limiting factor regarding the later filtering, which requires intraday values.

The Photovoltaic Geographical Information System (PVGIS) is an online tool which provides
information about solar radiation for any location in Europe and Africa, as well as a large part of
Asia and America [53]. This tool serves as an alternative to sensor measurements when these
are not available or do not fulfil quality conditions in terms of calibration or cleaning, among
others. Instead, it uses satellite data from geostationary meteorological satellites to estimate
the solar radiation arriving at the earth’s surface [54]. The satellite solar radiation data used
in PVGIS has been compared with ground station measurements and validated in [55]. Figure
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4.2 shows the different solar radiation data sets used in PVGIS. SARAH2 is available until 2020
and will be used for System A’s modelling.

Figure 4.2: PVGIS Coverage of Solar Radiation Database

Then, given as input the location, mounting type, tilt angle of the panels and azimuth, the POA
irradiance (W/m2), wind speed and ambient temperature are obtained for every hour in the
period 2015­2018. The simulated values of POA irradiance (Gsim) were validated against the
corresponding measured values (Gmeas) using the method described in [7, 56] for the period
2019–2020. A scatter plot of measured vs PVGIS values is shown in fig. 4.3. The statistical
parameters used to evaluate the quality of the simulations are the mean absolute error (MAE),
and the root mean square error (RMSE) which are defined in eqs. (4.1) and (4.2). Both pa­
rameters are then normalized to the mean of the measured irradiance without considering night
hours (Gmeas > 0W/m2). Results are given in table 4.2.

MAE =
1

n
·

n∑
i=1

(Gsim −Gmeas) (4.1)

RMSE =

√√√√ 1

n
·

n∑
i=1

(Gsim −Gmeas)2 (4.2)

Table 4.2: Statistical parameters associated to measured and PVGIS irradiance in the POA

MAE (W/m2) MAE (%) RMSE (W/m2) RMSE (%)

38.38 16.44 81.28 34.82
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Figure 4.3: Scatter plot of measured vs PVGIS irradiance for the period 2019­2020

After the irradiance is obtained, three different approaches are considered:

1. Daily values from plant’s sensors for the entire period (2015­2022).
This approach will guarantee that all the operational years of the plant are considered
and that only data from the plant’s sensors are used. However, it doesn’t allow intraday
filtering, so other filtering methods will be considered.

2. Hourly data from PVGIS in period 2015­2018 and sensor data from 2019 to 2022.
Despite using an external source for the POA irradiance in the first years of operation, this
approach will allow the use of intraday filtering. However, as it is seen fig. 4.3, there is
a great dispersion between the sensor POA irradiance and the satellite data in an hourly
resolution, especially on cloudy days. This error gets lower on a daily basis, but with an
RMSE of 34.82% it is decided not to use the PVGIS POA irradiance database to apply
the intraday filtering because, due to the weight of irradiance in the PR calculation, it may
introduce lots of outliers and noise to the analysis.

3. 15­minutes sensor data from March 2018 to 2022.
This last approach reduces significantly the data quantity, as it is just considering half of
the operational period of the plant. However, it provides 15­minute data from the plant’s
sensor for the three main variables: DC power, irradiance and module temperature. With
them, it is ensured that intraday filtering is applied and the reliability of this sensor­based
analysis is higher.

Overall, as it is mentioned in section 2.2, [36] concludes that the longer the time series, the
more reliable the results tend to be, but a minimum of three years of data are required. In
this sense, the results obtained in approaches 1 and 3 will be compared in chapter 6 to get an
understanding of the importance of data quantity against data quality.

4.1.3 Module temperature
Additionally, a modelling of themodule temperature is required due to the lack of back­of­module
temperature measurements available during the period 2015­2018. To do so, the Sandia mod­
ule temperature model will be used to estimate the module temperature during this period. The
modelled temperature will be used for the daily analysis of the period 2015­2022.

The Sandia Array Performance Model (SAPM) for the modelling of PV modules and arrays has
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been developed at the Sandia National Laboratories since 1992 [57]. It proposes the model in
eq. (4.3) to estimate module temperature Tm [51]:

Tm = GPOA · (ea+b·WS) + Ta (4.3)

Where GPOA is the solar irradiance incident on the module POA (W/m2), Ta is the ambient
air temperature (°C) and WS is the wind speed (m/s). These 3 variables are the outputs of
the PVGIS satellite database. Then, parameter a is a coefficient describing the module’s linear
thermal response to solar radiation and b is a coefficient describing its response to the wind
(forced convection) [57]. These depend on the module type and for System A are detailed in
table 3.1.

Therefore, applying the Sandia model, the hourly module temperature for the period 2015­
2018 is obtained. It is important to mention that this temperature will be later aggregated into
daily values so, although the PVGIS database is considered not accurate enough for the hourly
analysis, it is valid in a daily analysis. Also, the influence of temperature in the PR calculation
is much lower than irradiation as PV modules are less sensitive to temperature than irradiance.
Figure 4.4 shows the daily temperature profile during the whole period (2015­2018) remarking
when the PVGIS database and sensors are used.

Figure 4.4: Daily temperature in System A for the daily analysis
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4.2 System B
Despite the high resolution of the data, System B also presented some limitations in terms
of data acquisition mainly driven by changes in the hardware of the PV plant. Also, not all
the parameters for the different configurations have been measured with on­site sensors, so
modelling is required. Figure 4.5 summarises the workflow process in System B.

Figure 4.5: Workflow chart data modelling System B
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4.2.1 String conditions
Figure 4.6 details the situation of every string between February 2019 and September 2022.
Each of the colors represents the status of the string during that month. The main changes
have been regularly monitored and are: Changes in tilt angle for the fixed tit systems, changes
in module type and changes in the albedo by changing the reflectivity of the ground. Also,
periods with no data availability are included in fig. 4.6.

Figure 4.6: String availability System B

As a criteria, only the periods colored in Green are considered during the analysis in order
to ensure that the conditions are the same during the whole analysis. Strings with less than
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two years of available data are directly removed as this is a requirement to apply the Year on
Year methodology. Additionally, the data gaps coloured in Red are either component faults
or communication issues that led to missing data. As an example, fig. 4.7 shows a fault that
occurred in inverter 3 during the 2022 summer. In fig. 4.8 it is seen the data gap between May
2020 and March 2021. This was also due to an inverter failure which could not be replaced
because of the pandemic situation.

Figure 4.7: Current of the string 3_1 in System B during 2019­2022

Figure 4.8: Current of the string 5_1 in System B during 2019­2022

In such cases where the energy yield is not available, a data shift correction is not possible
because it requires the knowledge of the degradation curve and this is exactly the parameter
that will be analysed. Consequently, the removal of these data shifts needed to take place
to guarantee uniformity and failure­free conditions [6]. By contrast, other missing parameters
such as the solar position or irradiance components can be modelled and this is done in the
forthcoming sections.

Finally, from May 2022 Tracker 8 (where the pyranometer is located) was stuck facing west.
Consequently, only during half of the day the POA irradiancewas correctly measured. Figure 4.9
shows how the slope of Tracker 8 oscillates until the 23rd of May when it gets stuck and remains
constant. Then, fig. 4.10 shows the current of another bifacial tracked system (not stuck) against
the measured POA irradiance. This period had to be thus removed from the analysis.

Degradation Rates of Photovoltaic Plants in Northern Latitudes 29



Figure 4.9: Tracker 8 slope before and after being stuck

Figure 4.10: Bifacial current and irradiance when the tracker is stuck

4.2.2 Solar position
From System B’s weather station, solar zenith and azimuth are obtained. However, some data
gaps are observed during the first months of 2019 and 2020 as observed in fig. 4.11. To fill
these gaps, PVlib­python functions are used [4].

(a) Solar Azimuth (b) Solar Zenith

Figure 4.11: System B solar azimuth and zenith data from weather station
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The PVlib function solarposition.get_solarposition implements the NREL SPA algorithm [58],
which calculates the solar zenith and azimuth angles with uncertainties of ±0.0003 degrees
based on the date, time, and location on Earth applying the methodology described in [59].

After the modelled azimuth and zenith are obtained, the results are compared with the data
from the weather station. It is important to mention that the data logger runs the NREL’s SPA to
obtain the solar azimuth and zenith. As shown in fig. 4.12, there are only a few outliers in which
the PVlib azimuth differs from the measured one. This confirms the reliability of the NREL SPA
algorithm and justifies the use of these solar position values during the analysis.

(a) Solar Azimuth (b) Solar Zenith

Figure 4.12: Solar Azimuth and Zenith modelled VS weather station

4.2.3 Tracking system
Another main data absence is the back irradiance that the bifacial modules receive. In the case
of the tracking system, the module surface tilt and azimuth vary during the day, so they need to
be calculated for every time step prior to the back irradiance modelling.
Surface azimuth and tilt angles
Firstly, the PVlib function tracking.singleaxis is used to determine the rotation angle of a single­
axis tracker using the equations in [60] for a given sun zenith and azimuth angle. Other inputs
to the function are the axis tilt, axis azimuth, maximum rotation angle and GCR of the tracker
system. Also, the backtracking to avoid row­to­row shading is activated. The results of the
surface tilt and azimuth are shown in fig. 4.13. As expected, the surface azimuth is either 90 or
270 degrees and the surface tilt varies between 0 and 60 degrees.

Figure 4.13: Surface azimuth and tilt angles for the tracking system
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Back irradiance
Then, an additional PVlib function is needed to model the back irradiance for tracking systems
with bifacial modules. The function bifacial.infinite_sheds.get_irradiance calculates the front
and rear irradiance using the infinite sheds model detailed in [61]. The model assumes that the
PV system comprises parallel and evenly spaced rows on a horizontal surface, and calculates
the irradiance at a location far from the ends of any rows assuming that the rows (sheds) are
infinitely long. This function is also used for the bifacial fixed­tilt modules (section 4.2.4) so the
input parameters given to the model are included in table 4.3.

Table 4.3: Back irradiance modelling inputs

Parameter Fixed­tilt Tracker

Surface tilt (º) 25 From section 4.2.3
Surface azimuth (º) 180 From section 4.2.3
Solar zenith (º) From section 4.2.2
Solar azimuth (º) From section 4.2.2

GCR (­) 0.4603 0.2915
Axis height (m) 2.3 1.95

Pitch (m) 7.6 12
GHI (W/m2) From weather station
DHI (W/m2) From weather station
DNI (W/m2) From weather station
Albedo (­) 0.2
Bifaciality (­) 0.67

The GCR is the ratio between array length and row pitch, calculated as in eq. (4.4) for fixed­tilt
and tracking systems:

GCR =
N◦modules_portrait ·Module_lenght+ Space_modules

Row_pitch
(4.4)

Given these inputs, themodel accounts for the restricted view of the sky and ground frommodule
surfaces due to the nearby rows. It also implicitly assumes that diffuse irradiance from the sky
is isotropic and that module surfaces do not allow irradiance to transmit through the module to
the ground through gaps between cells.

The results of the infinite sheds model are shown in fig. 4.14 and fig. 4.15. The outliers seen
in fig. 4.14 between February and Match of 2021 are due to the calibration of the GHI sensor
during this period. For this reason, this period will be deleted from the analysis. In fig. 4.15 it is
shown a detailed comparison of the front and back POA irradiation in the tracking system during
three days in August 2020. These days were chosen as an example to illustrate the results of
the modelling. Similar to other studies [62, 63], the back irradiance represents around 10% of
the front irradiance, confirming the reliability of the results.
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Figure 4.14: Front and back POA irradiance for the tracking system

Figure 4.15: Front and back POA irradiance for the tracking system detailed

4.2.4 Fixed­tilt system
In the case of the fixed­tilt systems, the back­side irradiance had to be modelled for the bifacial
modules. This was following the method described in section 4.2.3 with the inputs in table 4.3.
The detailed results are shown in fig. 4.16. Being a fixed­tilt system the peak in irradiance occurs
at solar noon, differing from the tracking system (fig. 4.15). A graph that shows the complete
period has been omitted because it is almost identical to fig. 4.14.

Figure 4.16: Front and back POA irradiance for the fixed­tilt system detailed
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Module temperature
As it is explained in section 3.2.5, the on­site module temperature sensor installed in System
B at the beginning of the plant’s operation was on the tracking system. Therefore, the module
temperature for fixed­tilt systems is not available and needs to be modelled. This was done with
the Sandia model using eq. (4.3) (detailed in section 4.1.3). In this case, as there are two dif­
ferent construction methods for monofacial (glass/polymer) and bifacial (glass/glass) modules,
the parameters a and b in eq. (4.3) are set according to the recommended coefficient values for
these bill of materials (table 3.5). A comparison between the back­sheet temperature for mono­
facial and bifacial fixed­tilt modules for a sunny summer day and cloudy winter day is shown
in figs. 4.17 and 4.18. It is seen that bifacial modules reach higher temperatures on days with
higher irradiance. Especially in solar noon, the difference between both is the highest. On the
other hand, both have similar temperatures on cloudy days with lower irradiance. In [64] it is
suggested that only at rear irradiance fractions beyond 15%, the additional heat input from the
back side can cause the glass/glass bifacial modules to be hotter than the white back sheet
monofacial ones. This mismatch between [64] and the results shown in fig. 4.17 may be driven
by the assumptions considered in the temperature modelling.

Figure 4.17: Modelled module temperature for
monofacial and bifacial modules on a sunny
summer day (16­8­2020)

Figure 4.18: Modelled module temperature for
monofacial and bifacial modules on a cloudy
winter day (24­1­2022)

Additionally, two new module temperature sensors were installed in System B’s fixed­tilt mod­
ules in April 2021. These sensors were installed in both, monofacial and bifacial systems.
Thanks to them, the temperature modelling can be tested and its reliability verified.

Firstly, fig. 4.19 shows a comparison of the monofacial sensor and the modelled module tem­
perature. It is observed that the modelled temperature is higher during night hours and at the
beginning of the day, but they both reach similar values around noon. One of the Sandia Model’s
disadvantages is reflected here, as it is designed for steady­state conditions and does not take
into account the thermal capacitance of the module, which makes the module warm up and cool
down slower than in the modelling. However, taking into account the slight difference between
the model and the sensor’s measurement and the impact that the temperature will have on the
power correction, the simulation is considered a reliable source for the module temperature.

Regarding the bifacial modules, fig. 4.20 shows the great difference between the modelled
temperature and the sensor measurement. As it is mentioned in section 3.2.4, this sensor was
found to be loose from the back­sheet of the module, so lower measurements from the sensor
are seen in fig. 4.18 as expected. Applying a temperature which wasmeasured with a constantly
detaching sensor would lead to incorrect results as PR decreases with higher temperatures. In
the cases in which a period with the fully attached sensor is found, a correction can be made
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by fitting the modelled temperature to the measured one in this period [46]. However, slow
detaching occurred since the beginning of its installation, so in this case, the only reliable source
for module temperature is the modelled one.

Figure 4.19: Modelled and sensor module tem­
perature monofacial

Figure 4.20: Modelled and sensor module tem­
perature bifacial

The temperature distribution of temperatures in System B is shown in fig. 4.21. For the track­
ing systems, although the sensor is located in a monofacial module, the same temperature is
considered for the bifacial tracking module. Each of the system’s average temperature is also
included, being slightly higher the measured tracker monofacial temperature.

Figure 4.21: Fixed monofacial (modelled), bifacial (modelled) and tracker monofacial (sensors)
histogram of module temperatures

In conclusion, this chapter highlighted the various challenges that can arise when working with
limited data sets from the sensors and the use of certain modelling techniques to overcome
these limitations and improve the accuracy and reliability of the data. Chapter 5 delves deeper
into the specific steps taken to obtain the degradation rate of each component of the systems.
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5 Methodology
This section will describe how the Year on Year (YoY) method from RdTools [5] is applied to
both systems to obtain the degradation rate of their components.

This method has been put forward as a standard for calculating performance degradation rates
[42]. By measuring the median, outlier effects due to seasonal variation and data errors are
mitigated [34]. In this way, this method has been shown to be less susceptible to outliers,
marked seasonality, or strong soiling events compared to traditional regression­based methods
[65]. Also, less stringent data filtering may be required so it is less sensitive to the leverage of
start and end points in the analysis.

However, two years of data are the minimum requirement for this approach in contrast to the
regression, so this could limit the application if there is a non­linear degradation and it is desired
to calculate the degradation for shorter time periods [66]. Figure 5.1 shows a graphical overview
of the workflow process that is described below.

Figure 5.1: Workflow YoY methodology
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The main four steps of this methodology are: Data acquisition and preliminary calculations,
normalization, filtering and degradation calculation. These steps will be applied identically to
System A’s inverters from March 2018 to September 2022 and to System B’s strings in the
period between February 2019 and September 2022. Then, in section section 5.5 a modified
version of this methodology with daily values will be applied to system A from the beginning of
its operation (2015­2022).

5.1 Data acquisition and preliminary calculations
This section prepares the necessary data for the RdTools YoY calculation. The next step of
the method is normalization, which requires a time series of energy yield, cell temperature and
irradiance. In order to minimize inverter effects, the analysis is based on DC power data for
both systems. POA irradiance and module temperature raw data are imported as described
in the previous sections. To be fully consistent with the method, cell temperature must be ob­
tained before the degradation rate calculation. Also, despite not being required by the RdTools
developers, angle of incidence losses will be considered to remove variability at low sun angles.

5.1.1 Cell temperature
Sensor and modelled temperatures refer to the back­sheet module temperature. For the power
correction, both module temperature data sources are converted into estimated cell tempera­
ture. Therefore, the Sandia cell temperature model [67] will be used, which derives the cell
temperature from module temperature, Tm, the plane of array irradiance, GPOA, and a tem­
perature difference parameter, ∆T . This difference parameter represents the higher operating
temperature of a cell compared with the module back sheet at a reference irradiance. According
to [68], PV cell temperatures are estimated by adding 3.0°C per 1000 W/m2 irradiance to the PV
module back­surface temperature. Other authors [40, 69] estimate∆T to be 2.5ºC. In this case,
∆T is defined in tables 3.1 and 3.5 independently for monofacial and bifacial modules based
on the recommended literature [51]. The model uses eq. (5.1) to calculate the cell temperature
Tc:

Tc = Tm +
GPOA

GSTC
·∆T (5.1)

Where GSTC is the Standard Test Conditions irradiance (1000 W/m2).

The cell temperature is calculated for every time step in each of the components of both systems
and it will be used for the corrections instead of the module temperature.

5.1.2 Angular response correction
The angle of incidence (AOI) correction accounts for increased reflection losses when the in­
cident angle of the solar radiation impinging the module surface increases [68]. A correction
based on Martin and Ruiz incident angle model is used to calculate a derating factor, IAM, which
provides the useable fraction of the POA irradiance not lost due to AOI effects.

Martin and Ruiz establish in [70] that the angular losses of PV modules are a function of the
solar angle of incidence and the angular losses coefficient (ar). Firstly, the AOI is obtained for
every system, considering the surface tilt and azimuth (different for fixed tilt and trackers), with
the PVlib function pvlib.irradiance.aoi. Figure 5.2 shows the differences between the AOI for
fixed tilt and trackers in System B. Then, Martin and Ruiz incident angle model is applied with
pvlib.iam.martin_ruiz, which uses eq. (5.2) as described in [70]:

IAM =
1− exp(−cos(AOI

ar
))

1− exp(−1
ar

)
(5.2)
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The coefficient ar is set to 0.16 by default. It is also important to note that eq. (5.2) is only valid
for AOI between ­90 and 90 degrees and IAM is constrained to 0 outside this interval. Thus,
IAM=1 at AOI=0º, and IAM=0 at AOI=90º. Figure 5.3 shows the IAM losses factor as a function
of the AOI.

Figure 5.2: Example of the AOI for fixed tilt and tracker

Figure 5.3: IAM factor with respect to the AOI. It is based on Martin and Ruiz model

As it is a reflection loss, the most precise way to apply the IAM loss coefficient is on the direct
normal irradiance (DNI). However, as the input data is based on tilted pyranometers in the
POA, separate measurements of diffuse irradiance in POA or direct normal irradiance are not
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available. Therefore, instead of applying the IAM losses to the DNI, the IAM correction factor is
only applied on the global POA irradiance on the individual clear­sky (CS) time steps [68, 71].
In these clear­sky situations, most part of the irradiation comes from the DNI component, so it
is considered a valid approach when applying the angular response correction.

To identify the clear­sky time steps, the PVlib library Location.get_clearsky calculates the clear
sky estimates of GHI, DNI, and DHI at a specific location. Then, irradiance.get_total_irradiance
transposes GHI clear­sky data to POA irradiance so that it is now comparable with the POA
measured from the pyranometers on site. To differentiate between clear and cloudy­sky time
steps, the clear­sky (CS) index in eq. (5.3) is defined as the ratio between the irradiance mea­
sured with the pyranometer and the simulated clear­sky irradiance in the POA at a ground level
calculated with the PVlib library. Although the clear­sky index is usually calculated for a hor­
izontal surface, it can also be calculated for an inclined surface [72]. In accordance with [52,
71], a threshold value of 0.5 is used to separate clear and cloudy sky periods. That means
that irradiance measurements with CS index values bigger than 0.5 are classified as clear­sky
values, while those below 0.5 belong to cloudy skies.

CS =
Gmeas,pyr

Gclearsky
(5.3)

The clear sky index is computed and plotted for the whole data set. Figure 5.4 shows data for
two example days. Figure 5.4.a is a sunny day which exhibits a smooth sinusoidal­shaped solar
radiation profile. By contrast, fig. 5.4.b’s POA irradiance profile is full of vertical perturbations
indicating the presence of clouds and with a CS index below 0.5 during most of the day. It is
important to mention that the clear­sky index should always be between 0 and 1. In fig. 5.4.a
it is higher than one, which can be linked to measurement errors from the pyranometers or a
transposition error of the PVlib clear­sky horizontal irradiance.

(a) Clear­sky day (11/8/2022) (b) Cloudy day (12/12/2021)

Figure 5.4: Example of clear­sky index for a clear and cloudy­sky day in System B

Finally, the Incident Angle Modifier losses are multiplied by the front POA irradiance only in the
time steps in which the clear sky conditions are met. For the time steps in which the CS index
is lower than 0.5, the IAM losses coefficient is set to 1, so no angle of incidence correction is
applied.
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5.2 Normalization
Once the required data is prepared, normalization is achieved by calculating the expected
power, Pdc (W), for every time step using the NREL’s PVWatts DC power model [73]:

Pdc =
GPOA

GSTC
Pdc0(1 + γpdc(Tcell − Tref )) (5.4)

Where the input parameters are:

• GPOA: The effective irradiance (W/m2) transmitted to the PV cell. In the case of bifacial
modules, the front and back irradiance are considered. Angle incidence losses are applied
to the front irradiance as described in section 5.1.2.

• Pdc0: The nominal DC capacity (W ) of each string or inverter.

• γpdc: The temperature coefficient in power (%/ºC). It is based on eachmodule’s data sheet
(chapter 3).

• Tcell: Cell temperature (ºC) according to section 5.1.1.

• Tref: Cell reference temperature (ºC). PVWatts defines it to be 25ºC, which corresponds to
standard test conditions (STC). Despite being a discussion topic between analysts, using
STC reference temperature is also recommended in [6, 7, 42].

After the expected power is obtained, the produced power is normalized to the expected power
with the function rdtools.normalize_with_expected_power [5], which applies eq. (5.5) after con­
verting the power to energy (Wh) based on the frequency of the data.

Enorm =
Eproduced

Eexpected
(5.5)

This normalized energy is equivalent to a temperature, irradiance, and AOI­corrected perfor­
mance index. Figure 5.5.a shows the unfiltered normalized energy for one of the strings in
system B.

5.3 Filtering
Data filtering is used to exclude data points that represent invalid data, create bias in the analy­
sis, or introduce significant noise. It is imperative that filtering is a crucial step in the degradation
rate calculation, as it involves many decisions which can lead to a large range of possible out­
comes. Due to the lack of standard filtering criteria [65], the recommended four RdTools filters
along with other system­specific filters will be applied. As it is mentioned in section 2.3, soiling
is difficult to measure but using the YoY method instead of linear regression reduces the effect
associated with seasonal soiling. Therefore, no soiling filtering is considered.

Firstly, the normalized energy is filtered between 0.2 and 1.2. This filter removes outages and
ensures that the data makes physical sense. If the normalized energy is lower than 0.2 means
that either there has been an outage or a failure in some of the components which may bias
the analysis. As the main interest is on module degradation, outages are a temporary abnor­
mality and may be removed to determine the typical performance [65]. Second, low irradiance
conditions are often associated with night time, errors due to inverter start­up and non­linearity
between power and irradiance [7]. Therefore, a low POA irradiance cutoff is set in 200 W/m2

to remove early morning and late evening periods with these start­up issues, without remov­
ing winter data [6]. Also, an upper limit to the POA irradiance is set at 1200 W/m2 to avoid
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cloud brightening or measurement errors from the sensor. Third, the anomalous temperatures
outside the range of ­40ºC and 85ºC, which are the minimum and maximum operating tempera­
tures according to the module datasheet, are removed. Then, inverter clipping is filtered out by
excluding periods during which the power was higher than 105% of the nominal capacity. If the
region of inverter saturation is not excluded from the evaluation, the analysis can be significantly
biased towards lower degradation [66]. Finally, a filter only for the tracking systems is included.
The tracker angular position is compared with the target angular position for every time step.
This filter removes periods in which the difference between the tracker’s slopes is higher than
3 degrees. An overview of all these filters is included in fig. 5.1.

It is important to mention that as the filtering increases around the median of the filtering pa­
rameter, so does the “cleanliness” of the data set meanwhile the uncertainty decreases. If the
filtering continues to tighten, a greater number of data points are removed from the data set,
ultimately resulting in an increase in uncertainty again. Between those two extremes is a re­
gion where the uncertainty is relatively constant [52]. Table 5.1 summarises the different filters
applied and the remaining data after each of them. It is seen that the irradiance threshold filter
is the most determinant and that temperature and clipping filters did not lead to any exclusion
data points. In fig. 5.5 it can be appreciated the daily normalized energy before and after the
filtering.

Table 5.1: Effect of the filtering on the analysis

Filter No filter Norm. Energy Irradiance Temp + Clip Tracker

Days to analyse (%) 100 96.95 80.40 80.40 76.98

(a) Before the filtering (b) After the filtering

Figure 5.5: Daily normalized energy in String 4.3 of System B

5.4 Degradation rate analysis
Once the filtering is completed for every component, the filtered normalized energy time series
are aggregated to daily values using irradiance weighted averages. Using a weighted average
helps to reduce the impact of high­error data points with low irradiation (morning and evening)
thus smoothing the normalized energy signal. A longer aggregation would lead to a big reduction
in the number of points to be analysed.

The normalized daily values are then analysed to estimate the degradation rate representing
the PV system behaviour. In the YoY decomposition approach, a line between daily aggregated
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points in subsequent years is drawn to determine a rate of change between these two specific
points. This procedure is repeated for the remaining data points of that year and subsequently
all years. The result is a histogram of degradation rates in which the median represents the
long­term system performance, which is normalized to the first year’s median system capacity
[6, 36, 66]. The results are visualized as a histogram including a Monte Carlo­derived 68.2%
confidence interval of the slope, which depends on the number of data points and the standard
deviation of the distribution [34].

5.5 Daily analysis System A
As it is explained in section 4.1, the POA irradiation from the pyranometers in System A is only
available in a daily resolution in the first 3.5 years of operation. Daily values don’t allow the
intraday filtering detailed previously so, in order to utilize this data, it has been decided to use
the temperature­corrected daily Performance Ratio (PR) as the parameter to analyse. The PR
is a unitless parameter between 0 and 1, which describes the relationship between incoming
irradiation and produced energy, indicating the overall effect of losses. As DC energy is used,
only losses attributable to the PV array are accounted for, while losses attributable to BOS
inefficiencies or failures (e.g. inverter losses) are excluded.

DC energy, irradiation and module temperature in 15­minute resolution from the period 2018­
2022 have also been aggregated daily to be consistent during the whole analysis period (2015­
2022). The weather­corrected PR is calculated with eq. (5.6) for every day:

PRcorr =

Eproduced

Pdc0

GPOA
GSTC

· (1 + γpdc · (Tm − Tref ))
(5.6)

Where all the parameters have been already defined in previous eqs. (5.4) and (5.5).

Once the daily performance ratios are calculated, the first step is to delete the days which were
not under failure­free conditions, detailed in table 4.1. Regarding the filtering, the range of daily
PR has been set between 0.5 and 1.1 to exclude other possible failures or incorrect measure­
ments. Then, an additional filter is applied to remove outliers. This second filter considers only
points whose daily PR is within the range of ± 20% of a 30­day rolling average. This range was
selected because taking into account the seasonal oscillation of the PR, there is no physical
reason apart from malfunctions or measurement uncertainty, why PR should differ more from
the last 30 days’ average. In this way, around 92% of data points are validated.

Finally, the Year on Year degradation analysis is applied to the PR daily values as described in
the previous section. The results of the daily analysis of System A in the period 2015­2022 will
be compared to the detailed analysis in a shorter period (2018­2022) in chapter 6.

5.6 Site visit and module testing
After the results were obtained, a site visit to System B took place. During this site visit, PV
panels, inverters, tracking systems and other measuring equipment were inspected to ensure
that everything is working properly. This involved checking for any visible damage or wear
and tear on the panels, inspecting the wiring and connections, and verifying that the tracking
systems were functioning correctly. Also, the thermocouples were inspected to ensure that they
were still properly adhered to the back of the modules. In fact, during this visual inspection in
the field, it was found out that the module temperature sensor in the bifacial fixed tilt module
was unattached from the back sheet of the module.
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(a) 5 modules dismounted before during site visit (b) Cable disconnection before module dismounting

Figure 5.6: System B during the site visit and module dismounting

Additionally, the main objective of the site visit was the flash and EL testing of some modules
in a controlled laboratory environment. This was done to verify that the modules meet certain
performance standards, identify any potential issues, quantify the real degradation of its main
parameters and check the reliability of the results obtained from the data analysis. To do so,
5 modules from each type of string were dismounted and taken to the laboratory. A total of 20
modules were tested from the following strings: 3.3, bifacial and tracker; 4.6, monofacial and
tracker; 6.1, bifacial and fixed tilt; and 7.5, monofacial and fixed tilt.

Unfortunately, the modules were not flash­tested before their outdoor deployment in 2018, so
the reference to compare the results from the flash tests had to be either an unfielded module
from the same batch or the datasheet. In the case of bifacial modules, there was a spare module
available which had never been in the field, so this was used as a reference. It is assumed that
the reference panel has no degradation. By contrast, the only spare monofacial Trina module
in the laboratory had different characteristics so the reference used in this case is the module’s
datasheet.

Once the modules were in the lab, the first step was their cleaning and labelling to remove any
residue that could have accumulated. In the case of bifacial ones, the cleaning was done in
both glass covers. Then, a visual inspection of the used module against the reference one took
place prior to the flash testing.

5.6.1 Comprehensive visual inspection
Modules were thoroughly inspected for visual defects such as small cracks, interconnect imper­
fections, “browning” of the encapsulant or the formation of hot spots. During the visual inspec­
tion, no signs of physical damage to the module’s surface or corrosion were detected. A slight
brightening in the color of the monofacial module’s glass was observed, which may be linked to
a partial loss of the anti­reflective coatings. However, there is no definite evidence to ensure a
change in the thickness of the AR coating just by shining a white light on the surface, so a more
precise inspection method is needed.
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Figure 5.7: Visual inspection of the monofacial module. Left: Fielded module. Right: Reference
module

Figure 5.8: Visual inspection of the bifacial module. Left: Fielded module. Right: Reference
module

5.6.2 I­V measurement
Then, the I­V characteristics of the modules were measured in the flasher. I­V curves are es­
sential to detect any degradation of the module performance and can also be used to identify
any issues in the cells that may need to be addressed. The PV modules were connected to
the flasher, which measured their electrical performance under different irradiance conditions.
For each of the 20 modules tested, three flashes at 1000 W/m2 (then averaged) and one test at
200 W/m2 were taken. In the case of bifacial modules, the back side was flashed once at 1000
W/m2 and once at 200 W/m2. Figure 5.9 shows the inside and outside of the flasher used in
DTU’s facilities.
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(a) Outside (b) Inside

Figure 5.9: Flasher in DTU’s facilities

The main outputs from the flash tests that are analysed are Pmp, Isc, Imp, Voc, Vmp, the slope
near Isc and the slope near Voc. The annual degradation rate for both the front and back sides
was obtained by calculating the difference (in%) between themeasured panel and the reference
and then averaged over the number of years in the field. Since the commissioning was in the
summer of 2018, the number of years of the modules in System B is 4.5. The degradation of the
series and shunt resistance is obtained as the inverse to the slope of Voc and Isc respectively.

5.6.3 Electroluminescence testing
After the flash tests, an electroluminescence (EL) test was done on four different modules (two
monofacial and two bifacial, one of which was the reference one). EL testing is a method used
by solar panel installers and maintenance technicians to assess the quality and performance of
PV cells. During an EL test, the solar module is forward­biased at Isc, and the resulting emission
of light is used to identify any defects or damage in the cells such as cracks, possible hot spots,
and areas of high resistance.

Figure 5.10 shows the picture from the EL test for the twomonofacial panels, which were chosen
because they had the lowest Pmp out of the sample tested. Moreover, Figures 5.11 and 5.12
show the front and back sides of the reference and fielded bifacial module. In the case of the
usedmodule (fig. 5.12), it is appreciated that some of the cells in the upper centre part are darker
than others. This can indicate a variety of defects, including that these cells have poor electrical
connections or that they have been damaged by sunlight or other environmental factors.
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(a) Monofacial module 1 in string 7.5 (b) Monofacial module 2 in string 7.5

Figure 5.10: EL testing of monofacial panels. They had the highest power degradation rate out
of the sample tested.

(a) Front side (b) Back side

Figure 5.11: EL testing bifacial reference panel. It has never been fielded.
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(a) Front side (b) Back side

Figure 5.12: EL testing bifacial fielded panel during 4.5 years. This module had the highest
power degradation rate out of the sample tested.
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6 Results and discussion
This final chapter presents the results of the degradation rate analysis performed on both sys­
tems, which are then discussed and compared with other studies in the field described in sec­
tion 2.2. Finally, laboratory test results will aid in identifying the main degradation modes in
System B’s modules.

6.1 System A
In System A, two different approaches were used to obtain the degradation rate, an 8­years
daily analysis and a 4­years detailed analysis. Figures 6.1 and 6.2 represent an example of
the results. In this case there is little difference in the estimated degradation rate, but this is
not the case for all the inverters in the park (discussed below). The model draws a trend line
to each day of the year (i.e., to each January 1st, 2nd, etc.) and the median of these trend
lines represents the estimated degradation rate. On the left side of the results’ figure, a daily
renormalized energy with the fitted degradation trend is shown. The normalized energy is renor­
malized by recentering the data so that the y­intercept of the linear degradation rate equals one
at the beginning of the time series. On the right side, there is a histogram of the estimated YoY
rates for each day of the year based on the renormalized energy, which includes the estimated
degradation rate value (Rd) and the 68.2% confidence interval range. This histogram contains
the estimated degradation rate for each day of the year (365/366 points).

Figure 6.1: Degradation rate for Inverter 4.1 in System A in daily analysis

Figure 6.2: Degradation rate for Inverter 4.1 in System A in detailed analysis

Degradation Rates of Photovoltaic Plants in Northern Latitudes 48



Moreover, figs. 6.1 and 6.2 show the difference between the daily and detailed analyses. In this
specific inverter, the annual degradation rate is very similar in both analyses (­0.26 %/year and
­0.28 %/year). The more evident difference is that the daily analysis has a longer time series,
thus more data points. This usually improves the accuracy of the calculation and decreases
the associated confidence intervals [42]. However, the absence of intraday filtering increases
the spread of the points over the renormalized energy, which makes the confidence intervals in
both analyses very similar.

Also, a persisting seasonal component can be observed for both analyses. Although a low
irradiation threshold and IAM correction factor have been applied in the detailed analysis, the
lower peaks in the renormalized energy seen during the winter months are characteristic of PV
plants in northern latitudes. This is mainly linked to the shadowing between rows in the winter
due to the fact that the sun’s elevation is lesser during the day. This system is designed to
maximize the annual energy yield, so the summer period with higher irradiance is prioritized
when deciding the tilt angle and the distance between rows, whereas the winter production is
sacrificed as it represents a low percentage of the yearly energy output. Nevertheless, this
marked seasonality doesn’t influence the calculation of the degradation rate because it creates
a trend line for each day of the year and the renormalized energy on a given day of the year is
assumed to be similar over multiple years. This remarks the benefit of using the YoY method.

The degradation analysis was run for all the inverters in System A. A box plot of System A’s
results is shown in fig. 6.3, while the individual results for each inverter are in Appendix A.
The median degradation of System A’s inverters using a daily analysis is ­0.41 %/year, with
a maximum of ­0.65 %/year and a minimum of ­0.05 %/year. With the detailed analysis, the
median degradation rate is ­0.51 %/year, with a maximum of ­0.95 %/year and a minimum of
­0.10 %/year. Indeed, the median degradation rates obtained with both methods are within the
manufacturer warranty limits.

Figure 6.3: Degradation rates of the 11 inverters in System A. Daily is an 8­year analysis and
Detailed a 4­year analysis

The fact that both approaches lead to a similar median, which is in the range of other degra­
dation rate studies (section 2.2), indicates that both analyses are valid and comparable when
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calculating the degradation rate of a fleet of modules and inverters. However, when analysing a
single PV system, bigger differences are seen betweenmethods. Figure 6.4 shows the absolute
difference in the degradation rate between the daily and the detailed analysis for each inverter.
A clear pattern in the behaviour of both approaches is not observed. As has been stated previ­
ously, the real degradation of each inverter is unknown, so the best solution is to consider the
median of a fleet that has been operating under the same conditions. Being unbiased in the
median, this distribution is expected to be a good measure of System A’s degradation rate as
a whole and should be considered in its business case.

Figure 6.4: Difference in detailed and daily approaches for calculating the degradation rate of
each inverter in System A

6.2 System B
6.2.1 Data analysis
On the other hand, the yearly degradation rate is obtained for 42 strings in System B, which can
be divided into 4 groups according to their PV technology and mounting configuration (monofa­
cial/bifacial and fixed­tilt/trackers). Figure 6.5 shows the distribution of the degradation rates of
all the strings in System B. The median for System B is ­0.65 %/year, with a maximum of ­1.08
%/year and a minimum of +0.35 %/year (which means a gain in performance). Positive degra­
dation rates have also been reported when analysing a large number of modules [39, 36]. This
distribution is very similar to the results of single modules in [37] (fig. 2.6), but in this analysis
only strings are studied.
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Figure 6.5: Histogram of degradation rates obtained for 42 strings in System B

Additionally, the degradation results for each system configuration are shown in fig. 6.6.

Figure 6.6: Distribution of degradation rates for each PV technology and mounting configuration
in System B

Firstly, the tracked bifacial strings have the widest spread of results, which is linked to the fact
that 18 strings out of 42 represent this configuration. The median for the tracker bifacial strings
is ­0.65 %/year. System B is one of the first PV plants with bifacial tracking modules, so no
literature was found. This median is similar to the one obtained for the bifacial fixed strings (­0.69
%/year), which is lower than the reported ones in the literature regarding bifacial panels. The
fact of being a relatively new technology and not being operational for a long time period makes
bifacial module degradation still uncertain. In fact, the datasheet of these modules guarantees a
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degradation of ­0.5 %/year, which is optimistic considering the results obtained in this analysis.

As to monofacial modules, big differences are seen in comparing the tracker with the fixed­tilt
configurations. In this case, the tracking monofacial strings showed the lowest degradation in
the whole system, with a median of ­0.22 %/year. A possible reason behind this is the position
of these strings in System B’s layout. As they are in the first 2 rows of the trackers’ area, the
shadows from the front row are considerably less. Still, only 7 strings have this configuration, so
a wider sample would lead to more solid conclusions. Finally, the fixed­tilt monofacial modules
have a median degradation rate of ­0.75 %/year, which is matching within <0.1%/year with the
literature [36].

Moreover, fig. 6.7 shows an example of how the effect of the shadowing between rows creates
seasonality in the renormalized energy. String 7.7 (lower row) and String 7.8 (upper row) are
two parallel strings located one on top of the other whose estimated degradation rates are ­0.76
%/year and ­0.75 %/year respectively. As it is seen, the trend for String 7.8 fits better with the
renormalized energy, whereas the seasonality that String 7.7 exhibits makes fewer points fall
on the linear trend line. This shows the big impact that shadows have on the module’s energy
output. In the case of tracking systems, backtracking allows to reduce this shadowing, so the
effect is higher in fixed­tilt systems.

(a) String 7.7 ­ Lower row (b) String 7.8 ­ Upper row

Figure 6.7: Renormalized energy time­series for 2 parallel strings

It is important to mention that, even though shadows are a stress factor for solar modules that
can lead to higher degradation, the degradation rate calculation is not affected by the seasonality
thanks to the use of the Year on Year methodology. This is the case of strings 7.7 and 7.8, which
have a very close degradation rate despite having different energy time series. The individual
results for each string can be checked in appendix A, but the same behaviour is seen in the
strings that are in the lower row (odd numbers).

6.2.2 Flash tests
Figure 6.8 shows the degradation in power obtained from the flash tests in STC conditions.
In this figure, the median of the analysis with the YoY method is also represented to ease the
comparison with the previous results. As mentioned in section 2.3, the results from the flash
tests are subject to two main uncertainties: The reference considered for comparison and the
+5W power tolerance within modules from the same batch.
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Figure 6.8: Degradation according to flash tests for each system configuration. The green
diamonds represent the results with the YoY method

In this sense, a mismatch is seen between the results obtained from the flash tests and the
data analysis in all the cases except for the monofacial fixed systems. It is important to recall
that the monofacial modules are compared to their nameplate capacity (305W), whereas the
bifacial modules are compared to a reference module that has never been in the field and whose
measurement was close to its nameplate rating (295 W). In this sense, the forthcoming analysis
is conducted assuming the reliability of the bifacial reference module. Table 6.1 illustrates the
results of the rest of the parameters analysed for every string configuration:

Table 6.1: Degradation (%/year) of each parameter according to flash tests

Monofacial
Fixed

Monofacial
Tracker

Bifacial
Fixed

Bifacial
Tracker

Pmp ­0.68 ­0.74 ­0.23 ­0.04
Imp ­0.39 ­0.40 ­0.33 ­0.27
Isc ­0.49 ­0.43 ­0.51 ­0.49
Vmp ­0.32 ­0.38 +0.12 +0.19
Voc ­0.34 ­0.27 ­0.06 ­0.01
Rs NA NA +0.56 +0.66
Rsh NA NA ­8.49 ­10.06

Monofacial modules
In the case of monofacial modules, similar behaviour is observed for fixed­tilt and tracking sys­
tems. It is found that the short­circuit current (Isc) and, to a lesser extent, the maximum power
current (Imp) are the largest contributors to power degradation. During the visual inspection,
partial loss of the AR coating was observed in the monofacial modules, which typically reduces
the Isc and Voc. As expected, these symptoms are observed in the results. The series and shunt
resistances could not be evaluated because they don’t appear in the datasheet. Finally, there
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is an overall degradation in all the parameters studied in the monofacial panels, which may also
be linked to PID (characteristic of northern latitudes with moist weather). However, no strong
evidence of PID was observed in the EL images.
Bifacial modules
Regarding the bifacial modules, fixed­tilt systems appear to have slightly more degradation than
tracking ones, which is also seen in fig. 6.6. In both cases, the maximum power reduction is
dominated by an Isc decline of around ­0.50 %/year. The reduction in Isc points to optical losses
on the front side such as discoloration due to the humidity. The Vmp and the Voc display relative
stability, with even a slight increase in the Vmp which can be linked to the unsuitability of the
reference module or to temperature variations of the flash room at the time of measurement.
Moreover, there is a small increase in the series resistance, which is inevitable for modules
deployed outdoors due to thermal cycling. Also, series resistance increase can be attributed to
mechanical fatigue of solder joints in the case of the tracking systems. Finally, the big degrada­
tion of the shunt resistance (linked to the slope of the Isc) can be associated with manufacturing
defects or impurities near the junction due to poor module cleaning and maintenance.
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7 Conclusions
In conclusion, this thesis has investigated the degradation rates of two PV plants located in
Northern Latitudes based on the DC power and long­term monitoring data. On the one hand,
two different approaches were followed in System A: daily and intraday analyses. The median
of the estimated degradation rates was similar for both approaches (­0.41 %/year and ­0.51
%/year respectively), so it is suggested that both methods provide reliable results as far as a
fleet of components (11 inverters in this case) is tested and the median is considered. On the
other hand, System B has strings with different technologies and designs. After modelling some
of the main parameters, it was found a median degradation rate of ­0.65 %/year, but with differ­
ent distributions according to the string configuration. Then, indoor characterization including
visual inspection, I­V measurement under STC conditions and electroluminescence imaging
was performed to verify these findings and analyse the degradation mechanisms. Some mis­
matches were found with respect to the initial analysis that can be linked to the lack of a reliable
base to compare the results of the flash tests. Finally, although fielded modules often display a
variety of degradation modes, it was possible to correlate the gradual performance loss to some
of the main degradation modes described.

During the development of the analysis, it has been evidenced the importance of storing high­
resolution data of the main parameters that define the performance of a PV system (mainly
power produced, POA irradiance and module temperature). Especially, when the data is in­
tended to be used in a degradation rate analysis, it is crucial that the irradiance sensors are
calibrated regularly to lower the uncertainty and reduce data shifts in the calculation. Also, in a
PV plant with different string configurations, each one should have its own measuring sensors
to avoid the modelling of crucial variables in the calculation. In System B this was not the case,
so the assumptions taken during the modelling can also influence the results. For instance, in
the correction of angular losses, instead of a separation between clear and cloudy time steps,
the diffuse fraction of the irradiance could be used to calculate a correction for every individual
time step.

Moreover, different methodologies can lead to variable results even when using the same data
set, so the estimated annual performance lossmainly depends on the analysis methodology and
filtering techniques used for its assessment. In this study, the Year on Year methodology and
conservative filters based on previous studies have been applied. However, it is imperative the
need of a common and unambiguous approach that can be applied to large data sets, reducing
the variability and increasing confidence in the results.

Ultimately, I­V testing appears to be the most solid method to approximate the real degradation
rate of a specific set of modules. Therefore, it is highlighted the importance of flash testing
before they are installed and then using this as a basis for comparison in the future. Despite
the lack of initial flash tests, it has been observed that the degradation in northern latitudes
may be driven by optical losses linked to moisture, causing a reduction in the short­circuit cur­
rent. Besides, a more detailed analysis should be performed to accurately determine the most
significant degradation modes in these latitudes.

In light of the above, this study contributes to a closer understanding of the causes and calcula­
tion methodology of the degradation rate in PV plants. Further research on this topic is desired,
as it provides insight into their long­term performance and reliability, which have a significant
impact on the overall technical and financial evaluation of a project.
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Further work
This study serves as a first evaluation of the degradation rates on both systems. As the systems
are still operational, it is recommended to keep increasing the data collection and repeat the
process in the future to draw stronger conclusions and gain better insight into the long­term
degradation rate for new plants in close locations. In the same way, now that some modules
have been flash tested, repeating the tests under the same conditions in the future would give
very useful information about their real performance loss.

Additionally, uncertainty plays an important role when reporting values for degradation because
high measurement uncertainties increase the statistical spread of the data. Another opportunity
for improvement is to place more emphasis on comprehensive uncertainty analysis, as uncer­
tainty is directly correlated to financial risk.

Moreover, the implicit assumption in the analysis above is the linearity of the long­term degrada­
tion curve. However, depending on the degradation modes, PV degradation may not be linear
over the life of the system, especially at the beginning of life or during the wear­out phase.
Outdoor data usually contain considerable noise making it difficult to discern subtle deviations
from linearity, and that is why non­linearities are typically more easily observed in accelerated
tests where changes are easier to detect. Despite this, it is suggested a partition of continu­
ous data into shorter time intervals, which allows the determination of several degradation rates
which could provide more information than one overall degradation rate. It is imperative that
quantifying the non­linearity in degradation curves can have a significant impact on the financial
aspects of a PV project so, in the future, measuring and including linear degradation rates in
models may not be sufficiently accurate.

Finally, although it is evident that proper maintenance can help reduce the degradation rate of a
PV plant, this study suggests further research on the causes of degradation in cold and humid
climates in order to develop effective strategies for mitigating it.
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A.1 System A
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A.1.2 Detailed analysis
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A.2 System B
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